Many gas-condensate wells show a significant decrease in productivity once the pressure falls below the dew point pressure. A widely accepted cause of this decrease in productivity index is the decrease in the gas relative permeability due to a buildup of condensate in the near wellbore region. Predictions of well inflow performance require accurate models for the gas relative permeability. Since these relative permeabilities depend on fluid composition and pressure as well as on condensate and water saturations, a model is essential for both interpretation of laboratory data and for predictive field simulations as illustrated in this article.
Introduction
Afidick et al. 1 and Barnum et al. 2 have reported field data which show that under some conditions a significant loss of well productivity can occur in gas wells due to near wellbore condensate accumulation. As pointed out by Boom et al., 3 even for lean fluids with low condensate dropout, high condensate saturations may build up as many pore volumes of gas pass through the near wellbore region. As the condensate saturation increases, the gas relative permeability decreases and thus the productivity of the well decreases. The gas relative permeability is a function of the interfacial tension ͑IFT͒ between the gas and condensate among other variables. For this reason, several laboratory studies [3] [4] [5] [6] [7] [8] [9] [10] [11] [12] [13] [14] have been reported on the measurement of relative permeabilities of gas-condensate fluids as a function of interfacial tension. These studies show a significant increase in the relative permeability of the gas as the interfacial tension between the gas and condensate decreases. The relative permeabilities of the gas and condensate have often been modeled directly as an empirical function of the interfacial tension. 15 However, it has been known since at least 1947 16 that the relative permeabilities in general actually depend on the ratio of forces on the trapped phase, which can be expressed as either a capillary number or Bond number. This has been recognized in recent years to be true for gas-condensate relative permeabilities. 8, 10 The key to a gas-condensate relative permeability model is the dependence of the critical condensate saturation on the capillary number or its generalization called the trapping number. A simple two-parameter capillary trapping model is presented that shows good agreement with experimental data. This model is a generalization of the approach first presented by Delshad et al. 17 We then present a general scheme for computing the gas and condensate relative permeabilities as a function of the trapping number, with only data at low trapping numbers ͑high IFT͒ as input, and have found good agreement with the experimental data in the literature. This model, with typical parameters for gas condensates, was used in a compositional simulation study of a single well to better understand the productivity index ͑PI͒ behavior of the well and to evaluate the significance of condensate buildup.
Model Description
The fundamental problem with condensate buildup in the reservoir is that capillary forces can retain the condensate in the pores unless the forces displacing the condensate exceed the capillary forces. To the degree that the pressure forces in the displacing gas phase and the buoyancy force on the condensate exceed the capillary force on the condensate, the condensate saturation will be reduced and the gas relative permeability increased. Brownell and Katz 16 and others recognized early on that the residual oil saturation should be a function of the ratio of viscous to interfacial forces and defined a capillary number to capture this ratio. Since then many variations of the definition have been published, [17] [18] [19] [20] with some of the most common ones written in terms of the velocity of the displacing fluid, which can be done by using Darcy's law to replace the pressure gradient with velocity. However, it is the force on the trapped fluid that is most fundamental and so we prefer the following definition:
where definitions and dimensions of each term are provided in the nomenclature. Although the distinction is not usually made, one should designate the displacing phase lЈ and the displaced phase l in any such definition. In some cases, buoyancy forces can contribute significantly to the total force on the trapped phase. To quantify this effect, the Bond number was introduced and it also takes different forms in the literature. 20 One such definition is as follows:
For special cases such as vertical flow, the force vectors are collinear and one can just add the scalar values of the viscous and buoyancy forces and correlate the residual oil saturation with this sum, or in some cases one force is negligible compared to the other force and just the capillary number or Bond number can be used by itself. This is the case with most laboratory studies including the recent ones by Boom et al. 3, 8 and by Henderson et al. 10 However, in general the forces on the trapped phase are not collinear in reservoir flow and the vector sum must be used. A generalization of the capillary and Bond numbers was derived by Jin 21 and called the trapping number. The trapping number for phase l displaced by phase lЈ is defined as follows:
This definition does not explicitly account for the very important effects of spreading and wetting on the trapping of a residual phase. However, it has been shown to correlate very well with the residual saturations of the nonwetting, wetting, and intermediatewetting phases in a wide variety of rock types. The residual saturation is modeled based on the trapping number as shown below.
The trapping parameters T l and l are obtained by fitting residual saturation data for phase l. S lr high is typically zero and l is typically 1.0, however, some of the condensate data from the literature can be fit somewhat better by using l as a second fitting parameter. Mass transfer can reduce the value of S l to values less than S lr which is the reason why the minimum is taken in Eq. 4. For example, dry gas flowing by residual condensate at a fixed pressure can strip the lighter components from the condensate and reduce its saturation.
Establishing the correlation of residual saturations with the trapping number ͑or special cases of it as appropriate͒ is the first and most fundamental step in correlating relative permeability data as a function of interfacial tension. Although we have always found Eq. 4 to be adequate and convenient for this purpose for a wide variety of data sets including gas condensates, a table could also be used to represent the decrease in residual saturations with increasing trapping number or, for that matter, some other simple function that fits the data. In cases such as gas condensates there are three residual phases ͑gas, condensate, and water͒ and this correlation has been found to apply to all three phases. The next step is to correlate the endpoint relative permeability of each phase, which increases in a very predictable way as the trapping number increases and can be correlated using the following equation:
where S l Ј r is the residual saturation of the conjugate phase, e.g., the condensate is the conjugate phase for gas. This equation has also been found to provide a good correlation of a wide variety of data. All the parameters with the superscript low and high are constants for a specific rock and fluid pairs. The final step is to calculate the relative permeability of each phase l as a function of saturation. One approach to this problem is to assume a simple function such as a Corey-type relative permeability function. 17 This then requires correlating the Corey exponent with the trapping number. Eq. 5, written in terms of the exponent rather than the endpoint, can be used for this purpose. 22 However, not all relative permeability data can be fit with a Corey-type model, so we have generalized our approach by using the following equation:
The normalized saturations (S l ) in the above equation are defined as
where n p is the number of phases present, S l is the saturation, and S lr is the residual saturation for phase l, which are calculated using Eq. 4.
Only the baseline relative permeability curve of each phase at low trapping number corresponding to the usual laboratory measurements and the residual saturations as a function of the trapping number are needed in this approach. Figs. 1 and 2 show the relative permeability of gas and condensate calculated for a wide range of trapping numbers using just two parameters ͑T l Ј and l Ј ͒. The model presented captures the general trends in the data very well and it should be a great improvement over the traditional approach used in compositional reservoir simulators that are used to model gas-condensate reservoirs.
Comparisons with Experimental Data
As pointed out above, the best starting point for understanding and modeling relative permeability data as a function of interfacial tension is the relationship between the residual saturations and trapping number ͑or its special cases of capillary number or Bond number when appropriate to the experimental conditions͒. For this reason, we first show an example of normalized residual saturations vs. trapping number in Fig. 3 . The residual saturations were normalized by dividing them by the low trapping number plateau values. As seen from these data, there is a very large difference between the nonwetting and wetting phase data. A much larger trapping number is required to decrease the residual saturation for the wetting phase than for the nonwetting phase. This is typical of all of the data in the literature for all types of phases and rocks ͑e.g., see the review in Ref. 22͒ . We selected these data from the many examples in the literature to make the point that even widely different phases have similar behavior in a given rock if their wettability is the same. The nonwetting phases in Fig. 3 are the gas and oil. The gas data of Henderson et al. 10 are for the equilibrium gas in a binary mixture of methane and n-butane intended to represent a gas-condensate fluid. The oil data of Delshad 22 are for the equilibrium oil for a mixture of decane, brine, isobutanol, and sodium sulfonate under three-phase conditions. The wetting phases in Fig. 3 are the aqueous and microemulsion phases. The aqueous data of Boom et al. 3, 8 are for the equilibrium aqueous phase in a ternary mixture of water, n-heptane, and isopropyl alcohol. The microemulsion data of Delshad 22 are for the equilibrium microemulsion. The condensate data of Henderson et al. 10 appear to be of intermediate wettability ͑between the gas and water͒, which emphasizes the importance of including all three phases in the experiments.
More examples of wetting phase data for several different porous media are shown in Fig. 4 . The corresponding data for the nonwetting phase are shown in Fig. 5 . These data emphasize the strong dependence on the rock as well as on the wettability of the phases. The overwhelming conclusion is that one must measure the residual saturations for the wetting state and rock of interest to get useful results that can be accurately applied to a particular reservoir state. In particular, if there are three phases in the reservoir such as there are with gas condensates then, to ensure the correct wetting and spreading state in the rock, three phases need to be in the laboratory core even if one of the phases such as the brine is always at residual saturation. There are too many other similar examples in the literature to review here, but many other data sets can be found in the work of Stegemeier, 23 Chatzis and Morrow, 24 Delshad, 22 and Filco and Sharma 25 among others. Stegemeier 23 provides an excellent theoretical treatment as well. All of the data shown in Figs. 3 through 5 were fit using just one parameter, T l , for each phase, l, and the value of this parameter is shown in each figure. Next we show the comparisons with endpoint relative permeabilities using these same values of T l . Fig. 6 shows the endpoint relative permeability of the gas phase as a function of trapping number for the methane/n-butane binary mixture reported by both Hartman and Cullick 7 and Henderson et al.
10 Fig. 7 shows the endpoint relative permeability for various liquid phases and porous media as a function of the trapping number. The values vary significantly due to the differing rocks and for the same rock such as Berea sandstone due to the differing wettability. However, the general trend of increasing endpoint relative permeability with increasing trapping number is consistent and clear and agrees with that previously reported by Delshad et al. 17 for widely different fluids. The curve calculated from Eq. 5 of the model is shown for comparison with these data. In all of these cases, the endpoint relative permeability appears to approach 1.0 at a sufficiently high trapping number. This high trapping number value is sometimes referred to as the miscible value, but, strictly speaking, it is still an immiscible value even if the interfacial tension is ultralow. As shown by Delshad, 22 the interfacial tension can be high and the trapping number still made high enough in the laboratory by increasing the pressure gradient to make the endpoint approach one, so it is not the interfacial tension that matters per se, but rather the trapping number. The endpoint relative permeability was not al- ways measured by these investigators at a sufficiently low value of trapping number to determine its value directly, so its value had to be estimated by fitting the available data at intermediate trapping numbers. This value is often referred to as the immiscible value of the endpoint, but clearly this is not a useful designation. Its value depends on the value of the trapping number. In some cases, a plateau value of the endpoint at some sufficiently low trapping number is observed, but this is not always the case, especially for heterogeneous rocks and any phase that is wetting or even mixed wet. For these and other fundamental reasons, the designations of miscible and immiscible are not correct or useful, nor is it meaningful to describe these data in terms of high and low interfacial tension, but rather only in terms of high or low trapping number.
Figs. 8 through 11
show comparisons between the model curves and several sets of relative permeability data for gas and condensate fluids. No new parameters were introduced and yet all of the trends in the data are captured reasonably well. The capillary numbers shown in Figs. 8 and 9 correspond to the definition used by Henderson et al., 10 which is based upon velocity rather than the potential gradient. Since their experiments were done with their capillary number held constant, it made more sense to plot these relative permeability data using their definition. Under their experimental conditions, buoyancy was negligible, so our model could be used with either definition of capillary number. In general, however, the trapping number should be used.
It is important to note that very few parameters are needed in this model and that it goes to all of the correct limits observed not just for these data but for other literature data for various cores, fluids, and conditions. Our modeling efforts show that for reasonable prediction of relative permeability at various trapping numbers, the measurement of endpoint relative permeabilities at different trapping numbers is more important than the measurement of relative permeabilities at various saturations at different trapping numbers.
Numerical Simulations
We used the relative permeability curves of Figs. 1 and 2 to investigate the effect of trapping number on the productivity of a single well in a gas-condensate reservoir. The equation-of-state ͑EOS͒ compositional reservoir simulator UTCOMP was used in this study. 26 The fluid description and phase behavior are the same as those given by Wu et al. 27 For simplicity, a layeredpermeability description was used for this initial simulation study. Both the reservoir description and phase behavior are similar to those of the Arun field studied by Afidick et al. 1 However, these simulations are not meant to apply to the Arun field, but rather were done simply to illustrate the trends in the PI with trapping number. A systematic simulation study of the Arun field including a history match of the PI can be found in Refs. 28 and 29.
Description of the Simulation Data
The simulation domain used was a two-dimensional radial cross section (x-z) with a fan shape at an angle of 36°" Fig. 12… . The simulation grid has eight layers " Table 1… with the highest permeability layer at the top ͑90 md͒ and the lowest permeability layer at the bottom ͑1.5 md͒. The vertical permeability was one tenth that in the horizontal direction. Nineteen gridblocks were used in the x direction with a variable gridblock size of 1 to 500 ft and with the smaller gridblocks located near the wellbore. The well is producing at a constant rate of 4.4ϫ10 6 scf/D ͑which corresponds to one tenth of the full well rate͒ and it penetrates all eight layers. A constant pressure ͑4,100 psia͒ boundary condition was applied to the outer boundary of the fan-shaped reservoir, and this allows fluid with the initial composition to flow into the simulation domain. The reservoir temperature and pressure are 335°F and 4,100 psia, so the initial fluid composition is in the two-phase region since the dew point pressure is about 4,408 psi.
Discussion of Results
We performed simulations with and without the effects of trapping number on the relative permeability to demonstrate its significance on condensate saturation and PI. Figs. 13 and 14 illustrate the distribution of condensate with and without the effect of trapping number. Fig. 13 shows that the condensate saturation goes through a maximum with distance from the well in the high permeability layers. This is because the trapping number results in low values of condensate saturation very close to the well in the high permeability layers; then the condensate saturation increases as the trapping number decreases with increasing distance from the well, and it finally decreases again due to the increase in the pressure. The maximum condensate saturation occurs farther from wellbore in the top ͑high permeability͒ layers. Fig. 14 shows the condensate saturation in the near wellbore region for the case without the trapping number modeled is high near the well and then decreases away from the well in all layers. Fig. 15 illustrates the range of trapping numbers encountered in both the top and bottom layers for the simulation as a function of distance from the wellbore. In the top layer, trapping numbers are above the critical trapping number ͑about 10 Ϫ6 in Fig. 3͒ for up to the 100 ft from the wellbore. In the bottom layer that has the lowest permeability, no increase in relative permeability due to trapping number effects will be seen because the trapping number is less than the critical trapping number. Fig. 16 shows the condensate saturation in layer 1 as a function of distance from the well with and without the trapping number modeled and for two values of endpoint gas relative permeability.
The variations in condensate saturation are more significant in the lower endpoint gas relative permeability. The use of 0.2 as the endpoint gas relative permeability enlarges the range of relative permeabilities and hence more significant effects of the trapping number are observed.
The normalized well productivity index, with and without trapping number and for two different gas endpoints, is shown in Fig.  17 as a function of the average reservoir pressure. The PI in this study was computed using the following equation:
where Q is in millions of scf/D and P ave and P w f are in psia. The ratio of the PI to the initial PI gives the normalized PI. The initial productivity index was taken at 0.01 days for each case. Fig. 17 shows that the PI decreases rapidly as condensate builds up in the reservoir, but that the effect is somewhat attenuated when the reduction in condensate saturation at high values of trapping number is modeled. The trapping number effect is more significant for the case of low endpoint gas relative permeability than for the higher value. After a certain period of production, the difference in the productivity between these two runs is almost unchanged: the well productivity in the run with trapping number effects remains about 35% higher for the case with an endpoint of 0.53. The productivity modeled with the trapping number is approximately twice that without trapping number when using the low endpoint gas curve ͑0.2͒. Table 2 lists the productivity index for the partial well in each layer with and without trapping num- ber effects after 10 days of production. The layer-averaged pressure and bottomhole pressure at each layer were used for the P ave and P w f in Eq. 8. It can be seen from Table 2 that the productivity index is more than two times greater in the top two layers when trapping number effects are modeled. The productivity index decreases as the formation permeability decreases. In the bottom two layers, no significant effects of the trapping number on the productivity index were observed. This simulation study shows why relative permeability should not be modeled based on IFT only. The fundamental nature of changes in relative permeability was shown using the trapping number concept. The basic equations clearly indicate that IFT is not the only factor affecting residual saturations and the critical condensate saturation in particular. Hence, the crucial rate effects that contribute significantly in the near wellbore region will not be accounted for by an IFT model. The reduction in condensate saturation in high permeability layers near the wellbore will not be shown by such a model. Conditions in the near wellbore region for high permeability layers are the most important factors affecting the PI. Hence, relative permeability models based on IFT only have a very poor chance of making accurate predictions of the PI. Furthermore, it would be very difficult to model all of these interacting effects analytically since heterogeneity, pressure, phase behavior, interfacial tension, trapping number, and relative permeability are all coupled in a complex and nonlinear way. The coupling with heterogeneity is strong even when the reservoir description is very simple as in this example. Simulations have been conducted using stochastically generated permeability fields to further elucidate this coupling for more realistic reservoir descriptions. 28 Assuming a uniform condensate buildup close to the wellbore is not correct and does not lead to accurate predictions, nor is it reasonable to assume there is a donut-shaped condensate bank near the wellbore. In addition, for simplicity and clarity, we did not include nonDarcy effects in this illustrative simulation, but for very high rate gas wells, non-Darcy flow can be significant and is also coupled with all of the above variables and should be taken into account.
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Summary and Conclusions
The buildup of condensate close to gas-condensate wells can significantly reduce the gas relative permeability and thus the PI of the well and must be accounted for with an accurate relative permeability model. Although interfacial tension can be low and variable and does affect the gas and condensate relative permeabilities, it is not correct or accurate to model the relative permeabilities directly as a function of interfacial tension, but rather they should be modeled as a function of the combined effects of pressure gradient, buoyancy, and capillary forces. This requires generalization of the classical capillary number and Bond number into a trapping number. As was shown in this article, the trapping number can be used in a generalized relative permeability model to correlate gas-condensate data and then used in a simulator to predict changes in the PI due to changes in condensate saturation. 
